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ABSTRACT
Global warming is one of the most widely debated issues on the planet. Growing
concentrations of greenhouse gases in the atmosphere are responsible for global warming
but not just as a result of human activity. Nonetheless, human activity has a significant
impact on the rising CO2 levels in the atmosphere. International bodies are worried; as a
result, the world's CO2 reduction options are being investigated. CO2 storage in suitable
geological strata under the earth is believed to be one of the most viable options.
The purpose of this research is to set the framework for evaluating the characteristics of an
ideal oil reservoir appropriate for the storage of CO2. Hence, a set of injection criteria is
provided for presently depleted, producing, and dormant reservoirs. The depth of the
reservoir, its storage capacity, the amount of water and oil in situ, the permeability and
formation thickness are all evaluated. Notably, the effect of CO2 injection on reservoir
features, particularly the quantifying of the fault movement and induced fractures into the
analysis. It is proved that evaluating suitable sites solely on the basis of CO 2 density with
depth is not sufficient, it is necessary to examine the porosity and the quantity of water and
oil that can be displaced. The end result is a criterion table that can be used to quickly filter
candidate reservoirs. Eclipse and VISAGE, a Schlumberger program, was used to verify
the stated possibilities and results.
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CHAPTER 1: INTRODUCTION
1.1 Background
CO2 emissions have risen considerably since the Industrial Revolution due to greater usage
of fossil fuels. CO2 content in the atmosphere is now 412.5 parts per million (ppm), which
set a new high record despite economic downtime due to covid 19, and it is rapidly growing
linearly (Fig. 1). A CO2 concentration in the atmosphere over 450 ppm (parts per million)
is recognized to have a major influence on climatic conditions (IPCC 2000).

Figure 1. CO2 concentrations in the atmosphere (NOAA).

Global warming is causing an increase in sea levels, rising average global air and sea
temperatures, and widespread melting of ice and snow (IPCC 2007). To date, much
research has been conducted on the long-term effects of these variables over the world
economy, health, and nutrition. Cleaner technologies such as wind energy and nuclear
energy, which limit the burning of fossil fuels, have been used or are under close study as
a way of combating climate change. Because of the global demand for fossil fuels and the
1

relatively sluggish rate of renewable energy growth, the quantity of harmful gases
discharged into the atmosphere is expected to continue to rise (Covert, T et. Al. 2016). As
a result, it is important that ways to remove these harmful gases from the environment must
be established (Ajayi T, et al 2019) and mitigating solutions are necessary to minimize CO 2
emissions by 2050 (IEA, 2008). Among the mitigation methods used recently, Carbon
sequestration has been fairly promising (IEA, 2004) and is expected to serve a critical role
to considerably lower CO2 emissions in the future (Bachu, 2016). A considerable amount
of potential storage, effective hydrocarbon trapping, valuable experience with injection of
CO2 for enhanced oil recovery, and successful verification and monitoring in a number of
injection projects all contribute to increased assurance of storage safety and security in
underground formations (Filip N. et al., 2013).
There are three stages involved in Carbon sequestration technology (Jerby, E. 2017), which
are as follows (Figure 2): The first step is the capture of CO 2 from exhaust or flue gas from
the source (point-source capture), typically generated from the combustion or conversion
of fossil fuels. Another growing option is direct air capture (DAC), where CO 2 is separated
directly from the atmosphere (Jerby, E. 2017). For point-source capture, there are three
well-established methods: pre-combustion, post-combustion, or oxygen-fuel combustion
(Jerby, E. 2017). During the second step, collected CO2 is transported, typically by pipeline,
to the injection site for permanent geologic storage. The third step is injection and postinjection processes that result in permanent sequestration. After injection into a suitable
reservoir, CO2 is subjected to a variety of trapping mechanisms (CO2CRC, 2008). The
trapping mechanisms gradually aid in the securing and conversion of the injected CO 2 into
immobile material that can be retained indefinitely in the subsurface. Already, more than
2

200 million tonnes of CO2 from human activity have been injected into the geological
formations all around the planet, according to estimates (Global CCS, 2017).

Figure 2. Illustration of the three stages involved in CO2 sequestration.

To evaluate the suitability of geologic strata for CO2 sequestration, the capacity of storage
site (i.e., the total volume of usable storage) must be assessed, as must its injectivity (i.e.,
the ease with which fluids flow through the pore space), its mechanisms of trapping (i.e.,
the ability to trap CO2 during plume migration), and its confinement (i.e., the ability to
contain CO2 at the site). These are all technical considerations for a carbon capture and
sequestration (CCS) project (IPCC, 2005). Four trapping mechanisms are used to stop the
movement of CO2 plume after injection: i) structural trapping, ii) residual trapping, iii)
solubility trapping, and iv) mineral trapping, which occurs when CO 2 chemically interacts
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with rocks (Iglauer, 2011), (Bachu et al., 1994). A brief description of each is provided
below.


Structural trapping: the most critical aspect in CO2 sequestration is the existence of
a thick and fine-textured rock that acts as a seal over the sequestration reservoir.
The seal should be impervious to upward movement due to its permeability and
capillary barrier properties.



Residual trapping: This technique, which is sometimes referred to as capillary
trapping, predominantly traps CO2 after injection ceases and water starts to imbibe
into the CO2 plume. The CO2's trailing edge is immobilized, hence decreasing updip migration. Capillary sequestration is critical for sequestration in dipping
aquifers that lack structural closure. According to Hesse et al. (2008) and Ide et al.
(2007), this method can ultimately immobilize all of the CO 2 in a plume.



Solubility trapping: CO2 may be trapped by dissolving into the formation fluids.
The quantity of gas that may dissolve into water is dependent on a number of
parameters, most notably pressure, temperature, and brine salinity (e.g. Spycher et
al. 2003; Lagneau et al. 2005; Koschel et al. 2006; Oldenburg 2007). CO 2 solubility
rises with increasing pressure (i.e. depth) but declines with rising temperature and
salinity at the circumstances envisaged for the majority of geological sequestration
(ambient to 150°C and a few hundred bars total pressure) (Czernichowski-Lauriol
et al. 1996).



Mineral trapping: This process happens when liquid CO 2 reacts with components
in the formation fluid, encouraging the precipitation of carbonate minerals (Oelkers
et al. 2008). Mineral trapping is attractive because it has the potential to immobilize
4

CO2 for extremely long periods of time (Gunter et al. 1997). However, since the
process is dependent on the breakdown of silicate minerals, the total influence may
take tens to hundreds of years or more to manifest.
In Figure 3, these trapping processes are demonstrated to operate on a variety of time
frames. Trapping in structural and capillary systems may last hundreds of years in the early
phases, but mineral and dissolution systems progress much more slowly over time (Iglauer,
2017). These trapping processes are the primary means of controlling the movement of free
CO2 in a geological location. If they can be understood and increased, the possibility of
CO2 migration outside of the intended geological strata during or after injection may be
greatly reduced.

Figure 3. Various time scales for attributing trapping processes in a CO2 storage location (IPCC
2005).

In almost all scenarios consistent with keeping global warming at 1.5°C, subsurface CO 2
storage is seen as a critical component of lowering human emissions of CO 2 (Lloyd et. All,
2021). CO2 is responsible for around 76 percent of all the emission of greenhouse gas
5

worldwide. CO2 emissions, mostly from the burning of fossil fuels, have risen since the
inception of the industrial revolution. The great bulk of global greenhouse gas emissions
are attributed to a small number of countries, the United States, European Union and China
are the top three polluters in terms of total emissions. Russia and the United States have
the highest per capita greenhouse gas emissions (Center for Climate and Energy solution).
Because the primary source of CO2 produced by humans is the combustion of fossil fuels
(Z. Fang et al. 2012), this makes it hard to considerably reduce CO 2 emissions in the next
decades, since fossil fuels will most likely continue to be the world's leading energy source.
Fossil fuel and natural gas have fueled economies for over 150 years and now account for
around 80% of global energy production (EESI 2021). Other than restricting fossil fuel
exploration and use, strategies must be pursued to limit the emission of CO 2 from sources
into the atmosphere. Numerous solutions have been offered in recent years to address the
issue, among which the carbon geological sequestration technique looks to be one of the
most feasible (Z. Fang et al. 2012). This method has been used in numerous projects
recently. Since 2008, the Statoil-operated Snøhvit field, situated 150 kilometers north of
Norway's coast, has been injecting around 0.7 million tons of CO 2 recovered from
production of natural gas into a salty aquifer above the production horizon. (Thomas A. et
all 2016). Since its commissioning in 2004, the in-Salah Carbon capture project in central
Algeria has injected approximately 3.8 million tonnes of CO 2 in the subsurface (Ringrose,
P. S, et all 2013). Launched in 2000, a Canadian project called the Weyburn Project has
already injected 3.76 million metric tons of CO2 into a carbonate reservoir (Z. Fang et al.
2012).

6

The aforementioned geological carbon sequestration projects have shown tremendous
potential to reduce CO2 emissions. However, identifying, characterizing, and de-risking
potential CO2 storage sites is a critical subsurface challenge before committing to CO 2
storage. The capacity to store a high volume of CO2 in the subsurface, as well as the length
of time it can be kept there, are both important considerations in the site characterization
process. Using well logs, core analysis, and single-well and interference pump
experiments, it is possible to determine the permeability required by CO 2 injection (IPCC,
2005).
1.2 General Statement
A pressure-depleted reservoir in eastern Nigeria has been identified as a possible CO 2
sequestration location and will be the focus of this research. The paragraphs below
highlight some of the key considerations for characterization of this reservoir for CO 2
storage.
The realistic CO2 injection pressure, and the utmost suitable pressure of the depleted well
were among the important challenges, which can be resolved by carrying out the visibility
evaluation, drilling stability, and complete optimization of the new wells. Another
important consideration is the fact that fracture gradient reduces as reservoir pressure
lowers, and the drilling mud weight window narrows or even vanishes. An inadequate mud
weight may induce mud loss or instability of wellbore during drilling operation from
overburden to low-pressure deposits. CO2 injection, at the same time, may be discontinued
owing to CO2 supply concerns or facility maintenance. Because of the interruption, the
well pressure may drop to the point where the injected CO2 flows back, resulting in the
production of solids. Furthermore, CO2 injection raises pressure of fluid in the reservoir
7

and its surroundings, which has an influence on the strains within the CO 2-invaded area.
When the CO2 or the reservoir injection pressure reaches a certain stage, the altered stresses
may reactivate existing faults or form new fractures in the reservoir and caprocks, possibly
resulting in migration paths for the injected CO 2.
A systemic geomechanical examination is necessary to determine the hazards associated
with wellbore failure, solids production, fault, and hydraulic fracturing, response during
CO2 injection process and storage.
A geomechanical model which is field-specific includes the reservoir characterization and
surrounding rocks' mechanical characteristics, beginning field stresses, as well as the
influence of pore pressure fluctuations on field stresses. Data from core tests, field tests,
drilling production data and well logs, were used to build the geomechanical model. After
calibrating and validating it with drilling data and historical reservoir production data, the
field-specific geomechanical model can be utilized in assessment of the drilling and
completion concerns, as well as the risks associated with fault reactivation and hydraulic
fracturing associated with CO2 injection into disposal formations. This research presents a
systematic technique for conducting geomechanical risk evaluations for CO 2 geologic
storage in depleted reservoirs using the case study of a depleted oil field.

8

CHAPTER 2: RESEARCH PROPOSAL
This chapter describes the planned research project. The first parts describe the research's
motivation and significance. The subsequent parts explain the work done, including the
research statements, hypotheses, a synopsis of the research strategy, project objectives, and
overall the importance of the research.
2.1 Research Question
The research question of focus in this research is: is site characterization essential for
geological CO2 storage?
Site characterization addresses two issues: the capacity to inject a substantial amount of
CO2 into the subsurface and retain it there for an extended period of time.
The following sections will give context for the motivation for this research and the work
detailed in this thesis.
2.2 Needs for Characterization
Careful site characterization is critical for effective geologic CO 2 sequestration,
particularly in depleted oil fields (CO2SC Symposium 2006).
The criticality is often described as a mix of the danger of CO 2 leakage to the surface and
the risk of impact leakage to the surrounding reservoir.
2.3 Research Hypotheses
For geological storage of CO2 in depleted oil reservoir, Site characterization and selection
are critical in preserving the project's integrity while storing.

9

Site characterization entails determining the reservoirs' capacity to store the planned
volume of CO2 during the operation's lifespan, injectivity to accept CO 2 at the rate that it
is given from the sources, and containment to guarantee that it does not migrate or leak out
of the storage. Prior to the start of this investigation, the following research hypotheses
were formed.


Without proper site characterization, the safety of the storage reservoir is
compromised



With proper characterization, modeling can be used to accurately predict the
behavior of CO2 injected into the reservoir



Injection pressure in the excess of 20% of BHP could fracture the reservoir rock
causing leakage



Reservoir pressure increase linearly during injection



CO2 could be store underground for a long period of time

The work done in this study was designed to confirm or reject the hypotheses stated above.
2.4 Research Relevance
Carbon capture, utilization, and storage (CCUS) is a critical component of the portfolio of
technologies and strategies required to meet climate and energy goals. According to the
IEA Clean Technology Scenario (CTS), a total of 107 GtCO2 will be permanently stored
underground by 2060, necessitating a considerable increase in CO 2 storage from current
levels.
Researchers have devoted efforts in many aspects of CO2 sequestration in the past,
however, little effort was devoted in the area of injectivity. According to EIA, it cost about
10

$5.6 million to drill a well in onshore among other expenses required to sequester CO 2.
Therefore, a good site characterization is essential for financial reasons.
Any CO2 site characterization will take into account a variety of local dangers, most risks
for most sites, if not properly identified and controlled, will pose a significant danger to
project operations or to the safety, health, environmental, or commercial concerns of local
stakeholders.
Several of the most critical danger factors associated with poor site characterization are,
transmissive faults, cap-rock integrity, and induced seismicity. It is critical to examine the
possible implications of hazard failure, which will result in some leakage, while examining
these hazard aspects. Even if it is not feasible to quantify the probability, consequences, or
hazards associated with hazard element failure, site characterization may be able to
identify, treat, and mitigate the impacts of CO 2 leakage.

11

CHAPTER 3: LITERATURE REVIEW

In 1938, the first carbon capture facility was conceived, and in 1972, the Sharon Ridge
oilfield in Texas became the first large-scale effort to pump CO 2 into the earth. Around 24
years later, in the North Sea, Norway launched Sleipner, the world's first comprehensive
carbon capture and storage project (Global CCS Institute).
Around the globe, there are 43 commercial large-scale carbon capture and storage plants.
According to the International Energy Agency (IEA), large-scale CCUS plants capture
over 30 million tons of CO2 per year. More than 70% of this is completed in North America.
According to a 2018 analysis prepared by the Global CCS Institute, industrial facilities
capture less than 1% of the CO2 necessary to satisfy the Paris Accord objectives for 2050.
While CCUS projects currently are not widely deployed, the technology has progressed to
the point where there are no technological obstacles to permanently storing CO 2 on a
massive scale. If many more projects are executed, it might go a long way toward fulfilling
the Paris Agreement's ambitious climate goals (Eide, L. et al. 2019). Five additional carbon
capture and storage plants are now under construction, with another 20 in "different stages
of planning" throughout the world (Eide, L. et al. 2019).
Most of the existing CCUS projects are based on enhanced oil recovery (EOR), in which
CO2 is directly pumped into oil reservoirs to facilitate additional oil production. CO 2 is
then trapped in the rock strata that formerly held oil. Approximately 98 percent of the CO 2
injected into the subsurface is permanently trapped (Alcalde, J. et. Al. 2018). Several
enterprises in the private sector are profiting from CO2 ( ANURADHA V. 2019).
12

According to the analysis by the Global CCS Institute, the main impediment to achieving
the full potential of CCUS technology is that the market still does not offer sufficient
incentives to achieve a complete return on investment. Policies that adequately support
investments in CCUS are urgently needed.
The United States leads the globe in this field, with the greatest number of large-scale
projects. Texas is home to the world's biggest facility, the Century Natural Gas Plant.
According to the US Geological Survey (USGS), the United States possesses the geologic
formations to store roughly 3,000 metric gigatonnes of carbon dioxide if it had access to
cutting-edge carbon capture and storage technology. That is, if legislation and incentives
could keep up with technological advancements (Chaudhry, R et al. 2013).
To put it in the right perspective, CO2 accounts for 76% of all greenhouse gas emissions.
Despite its lower global warming potential (GWP) compared to other greenhouse gases,
this makes CO2 the most important greenhouse gas for effective climate regulation (US
Environmental Protection Agency 2014).
3.1 Risks Assessment of CO2 Storage Sites
A key risk of a CCUS project is CO2 leakage from the storage sites (Deel et al., 2007).
When a reservoir/field is injected for the first time, the risk of leakage from the storage site
is highest, as illustrated in Fig. 4 (Benson, 2007). This is because of the difficulty in
analyzing the long-term effects of CO2 injection into a particular geological location and
the scarcity of available data. However, with the knowledge and data gained from the initial
injection period, subsequent injections in the same reservoir or area become lower risk. At
the outset of CO2 storage, an accurate risk assessment (i.e. Figure 5) is essential to ensure
13

the safety and security of storage sites based on an accurate selection, characterization, and
decision-making analysis of a storage site location (Li and Liu, 2016).

Figure 4. Risk profile of CO2 storage in geological porous media.

Risk assessment methodologies and recommendations for CO 2 storage site evaluations
have been the subject of a number of studies. To ensure the long-term containment of CO 2,
ATLANTIC (2007) proposed a storage of CO2 life cycle risk management framework
without any information on how parameters at each step should be assessed. According to
the authors, there are six steps to conducting an effective risk assessment: i) formulation of
problem (critical scoping step), ii) site characterization and selection (collection and
analysis of data), iii) exposure assessment (CO2 plume movement and characterization),
iv) effective assessment (collection of data describing the reaction of receptors), v) risk
characterization (data integration in order to determine the expected effect) and vi) risk
management (measures of surveillance, mitigation, and remediation).

14

Figure 5. Risk assessment recommended by IEA GHG, (Korre and Durucan, 2009).

In assessing the containment risk, Tucker and Holley (2013) analyzed the Goldeneye CO 2
storage facility and used the Bow-tie risk assessment approach. A breach of containment
is very unlikely, according to the researchers. Using a bowtie diagram as a risk assessment
tool does not take into account large CO2 interactions or caprock leaks. Methods such as
15

bow-tie and modified risk matrix methods were used by Wilday et al. (2011) to identify
hazards during collection, transport, injection and storage. According to He, et al. (2011),
the Bayesian network (BN) is the best approach for risk assessment in the storage of CO 2.
They advocated the BN technique as an effective instrument for storage site decisionmaking and risk management. According to a study by Govindan et al. (2014), a risk
assessment was carried out using numerical modeling at Germany's Ketzin pilot site to
show how the reservoir's CO2 plume distribution probability maps changed over time.
Solubility in brine might lower the danger of leakage more than capillary trapping,
according to the researchers. At several points in the CO2 storage process, Li and Liu
(2016) gave a comprehensive evaluation of the environmental, health, and safety issues.
There are three CO2 storage locations in Norway (i.e. Utsira South, Heimdal gas field and
Smeaheia) that Ringrose et al. (2017) ranked and risked for CO 2 storage.
Geologically, these locations are excellent for reservoir engineering purposes..Utsira's
considerable leakage risk from the injection well and the depleted Heimdal gas field's lack
of economic viability made the locations unsuitable. It is possible that Smeaheia might
serve as an operational and geologically viable location. CO 2 leakage and storage over
100,000 years’ lifespan were evaluated numerically by Alcalde and colleagues (2018).
They found that a medium density well has a chance of 50% leakage remaining below
0.0008% each year, with about 98% of the injected CO 2 remaining in the underground for
10,000 years or more. Larkin and colleagues (2019) provided a set of risk assessment and
management frameworks for carbon storage but did not address various aspects of leakage.
As part of a large-scale CO2-EOR and storage field, Xiao et al. (2020) used the response
surface methodology (RSM) to evaluate the hazards of CO 2 and brine leakage. They found
16

levels of arsenic and selenium on clay minerals and recommended that pH may be used as
an early warning system for leaks.
It is clear that any form of risk assessment framework requires the identification of
potential risk scenarios using qualitative and quantitative techniques, such as CO 2-Feature,
Event, and Process (CO2-FEP), certification frameworks such as the one developed by
Oldenburg et al. (2009), Risk Identification and Strategy Using Quantitative Evaluation
(RISQUE), or any other practical approaches that have been tested and proven to work.
Leak detection and mitigation plans may be developed more quickly if these strategies are
used correctly and in a timely way.
Leakage routes in geological storage sites may be created by many processes and
characteristics, and a pre-operational risk assessment technique is recommended in the
following section. Identifying and reducing significant uncertainties in a storage operation
is the primary goal here.
3.2 CO2 Rock Interaction
During the early stages of a carbon storage operation, the rocks' porosity and permeability
play a big part in how well things work out. Pressure, temperature, pH, and mineral changes
happening can cause these properties to change. They must be well-understood due to the
importance of these changes (Rosenbrand et al., 2014). CO2–water–rock interactions can
change a rock-dominated reaction system into a fluid-dominated system that is controlled
by the decrease in pH caused by the dissolution of CO 2 into the formation brine. These
physical factors are not the only ones that can change the system. They may make the pores
bigger, weaken the rocks (Emberley et al., 2004), or cause unexpected pressure to build up
17

during the injection process (Hemme and van Berk, 2017), (Seyyedi et al., 2020). In the
long run, these geochemical activities could cause the reservoir to become compacted and
the wellbore to break down, even at low temperatures (Espinoza et al., 2011). This could
happen even if the temperature is very low (Vilarrasa and Rutqvist, 2017). These
interactions are very important to know in order to keep the storage sites safe for a long
time (Gaus, 2010).
3.2.1 Injection Phase
CO2 moves in the subsurface due to a number of effects, including: i) pressure and natural
hydraulic gradient, ii) the buoyancy due to the density difference between the CO 2 and the
formation fluids, iii) diffusion and phase trapping, iv) fingering and dispersion because of
the reservoir mobility contrast between CO2 and formation fluids and reservoir
heterogeneities, and v) CO2 solubility into the resident fluid (Solomon, 2006).
The injection phase is often estimated to last 25 years, but may be longer or shorter. It is
seen as the phase with the greatest risk of leakage and adverse impacts (IPCC, 2005;
Scherer et al., 2004), particularly in terms of pressure build-up. The primary worry with
CO2–rock interactions at this point is a possible reduction in permeability surrounding the
well, which might alter injection rates and/or necessary injection pressures, resulting in
target reservoir overpressures. Water–rock interactions during the injection phase (Fig. 6)
are many and may be classified as follows:


Between the injected CO2 and the well completion cement.



Between the CO2 injected, the cement, and the host rock.
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By increasing the concentration of brine as a result of water dissolving in injected
dry CO2.

Figure 6. CO2 injection and identification of CO2-rock interaction (Irina G. 2010).

The injection phase is characterized by very large mass fluxes across the pore space at
elevated pressures and perhaps considerable temperature gradients. Indeed, CO 2 is injected
at a very low temperature (about 20oC), although reservoir temperatures may vary greatly
(for example, the Utsira sands in the Sleipner instance are around 37.8C, while other
reservoirs, such as K12b (128o C), are much higher). Large temperature gradients may be
the driving force for CO2–rock interactions, as well as the interaction between pure water
and rock. In terms of geochemical interactions, it is important to consider fast-acting
reactions at this point. Carbonate minerals, as well as sulfate and evaporite minerals,
exhibit these reactions because their reaction kinetics are quick and equilibrium is virtually
immediate (Andre' et al. 2007). After a brief period, the dominating phase in the
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environment near the well will be super critical CO 2 (Andre' et al. 2007), which will
influence the effect of reactions.
Concentrating brine by water dissolution in dry injected CO 2 may result in the precipitation
of mostly salts on top of pure CO2-induced reactions. The decrease and/or loss of injectivity
would be seen as a significant issue, including in terms of the project's financial feasibility.
However, little research has been published on the subject. Indirect evidence of CO 2–rock
interactions in the vicinity of a well during industrial activities may be seen in the
occurrence of injectivity problems during enhanced oil recovery (EOR) operations.
However, the true mechanisms behind these injectivity variations are poorly understood
and are often ascribed to multiphase flow, CO2/oil interactions, and/or CO2/mineral
interactions (Cailly et al., 2005). Revisiting the literature on injection difficulties in EOR
projects (Czernichowski-Lauriol et al., 1996a provides an overview) may help comprehend
the significance of these interactions and situations that eventually result in decreased
injectivity (Gaus, I. 2010).
3.2.2 Long-term cap rock and reservoir interaction
The expression "long-term reservoir interactions between injected CO 2 and rock" refers to
the interactions of dissolved CO2 and brine inside a reservoir. The buoyant behavior of
supercritical CO2 is well understood (Lindeberg and Bergmo, 2003; Lindeberg et al., 2000;
Pruess and Garc'a, 2002; Pruess et al., 2004), and dissolution of injected CO 2 is expected
to occur within a few thousand years of injection (Lindeberg and Bergmo, 2003),
depending on the reservoir's geology and heterogeneity, as well as the defined dissolution.
The importance of examining long-term reservoir interactions is that they may be used to
determine a reservoir's capacity to permanently trap CO2 in a mineral phase as a
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consequence of naturally occurring geochemical interactions (known as mineral trapping).
The purpose in the case of cap rock is to identify induced porosity–permeability changes,
especially in the rock's bottom region. These geochemical interactions, which primarily
(but not exclusively) affect alumino-silicate minerals and require millions of years to reach
equilibrium, have been extensively investigated using coupled flow-geochemical
simulation programs (Audigane et al. (2007), Xu et al. (2003, 2005), and White et al.
(2005). While these studies are vital for forecasting long-term behavior and quantifying
mineral trapping capacity, they often suffer from a lack of information about key aspects
determining the influence of geochemical processes, since no model calibration on these
long time scales is available (Irina G 2014).
3.2.3 Interactions between CO2 and rocks along leakage paths
When simplified, potential CO2 leakage from the target reservoir might occur through three
channels (van der T. et al. 2014).


Leakage along abandoned wells or the injection wells



Leakage occurring through a fault (pre-existing or self-induced).



When the pressure surpasses the capillary entry pressure for CO2, leakage occurs
through the cap rock.

Although CO2–rock interactions are expected to occur in the event of leakage, it is
exceedingly improbable that CO2–rock interactions may initiate leaking channels (Irina G
2014). Creating a leakage channel via CO2–rock interactions needs a quantitative
significant dissolution processes at certain locations, which cannot occur in the absence of
a flow regime. This is a critical assertion since there is presently no experimental or
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computational evidence that CO2–rock interactions may produce a previously
undiscovered leakage route when they occur in isolation (Irina G 2014). Once a leaking
channel has been established, CO2–rock interactions have the ability to either accelerate
leakage by dissolving (and shrinkage of clay minerals) or restrict it via precipitation
reactions of fast reactive minerals. This will have a major effect if adventive flow of CO 2,
CO2 saturated brine, or both occurs along the well bore, in the fracture, or in the cap rock.
In this scenario, the minerals in contact with CO2 dictate the interactions, and the resulting
influence must be determined on an individual basis. For example, whereas interaction with
evaporate minerals (e.g. salts filling a fracture) is rare from a geochemical standpoint, a
carbonate mineral filling a fracture containing a CO2 flow channel can rapidly dissolve,
perhaps even enlarge the current flow path (van der T. et al. 2014).
In the event of leakage along the well bore, Scherer et al. (2004) examine probable
interactions in detail. Other models, which include a more detailed understanding of well
shape, either offer analytical solutions characterizing well leakage (Nordbotten et al.,
2004), or the predicted geochemical effect in a permeability relationship (Viswanathan et
al., 2008).
The third leakage channel, a leaking cap rock, is very improbable and would imply that
either the cap rock’s permeability or capillary entry pressure were underestimated or that
significant heterogeneities were overlooked from the start, suggesting poor site
characterization (Irina G 2014).
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3.2.4 Effects of leakage (Migration to water region)
According to the research that has been done so far and the CCUS projects that have been
implemented across the globe, it seems that leakage may occur during injection and storage
for short or extended periods of time. Given their favorable petrophysical qualities, sealing
integrity, and trapping processes, sandstone and carbonate reservoirs are frequently
regarded as the finest geological locations (Gaus, 2010). When paired with changes in
geomechanical parameters, pressure, and temperature, CO 2 at these storage sites may lead
to leakage channels during injection/storage (Espinoza et al., 2011; Raza et al., 2016a).
This section elaborates on these ideas.
CO2 storage reservoirs, particularly those onshore, are likely to be overlain by shallowdepth drinkable aquifers. CO2 leakage into drinkable aquifers has the potential to cause
geochemical reactions that impair water quality. In deeper saline (non-potable) aquifers,
the chemical composition of the brine is irrelevant (as it is non-potable to begin with), and
evaluation of CO2–rock interactions ultimately relies on changes in porosity and/or
permeability, as well as mineral trapping capability. CO2-induced changes in the
composition of the brine are unimportant in this situation since the changes are modest in
comparison to the brine's high salinity and the brine will never be used for drinking water
purposes. Similar processes happening in dilute potable water, on the other hand, may
drastically alter its potability. Indeed, in shallow aquifers, the primary concern is with
changes in the formation water, which suggests that the quantity of CO 2 necessary to have
an effect is considerably lower than in earlier groups of interactions, where significant
quantities of minerals and CO2 must react.

23

The dissolution of CO2 into drinkable aquifer water has the potential to acidify the water,
which is well documented to promote metal mobilization. Additionally, it is well
established that CO2-rich fluids aid in the mobilization and transport of trace metals and
bitumens ( Czernichowski-Lauriol et al., 1996a). Although aquifer contamination is often
suggested as a problem associated with onshore CO2 storage (Bouc et al., 2007), the
likelihood of this occurring has not been thoroughly studied yet. There are modeling studies
(Wang and Jaffe, 2004), some of which indicate a significant effect, although they are not
based on well-developed geochemical assumptions.
The natural occurrence of CO2-pressurized water sources suitable for human consumption,
such as those in the French carbogaseous province (Pearce, 2003; Czernichowski-Lauriol
et al., 2002), demonstrates unequivocally that the interaction of CO 2-charged waters does
not always result in degraded water quality as a result of CO 2–rock interactions.
This is an area in which experimental investigation might provide light on the possibility
and magnitude of aquifer contamination. The first stages of research are underway (Nelson,
C. 2005).
3.3 Trapping Mechanisms
CO2 can be stored, contained, and injected into a formation based on its geological and
petrophysical properties. The supercritical CO2 that is injected into the ground is held in
place by two main types of trapping: physical trapping and geochemical trapping (Figure.
7). The effectiveness of the storage process is determined by how well trapping
mechanisms work together to keep the CO2 in place permanently (Coninck et al. 2005).
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Figure 7. Various geological storage process employs during CO2 trapping techniques.

3.3.1 Physical trapping
Physical trapping occurs when CO2 is injected into an aquifer and retains its physical
properties. Structural (hydrostratigraphic), residual (capillary), and sorption trapping are
three types of trapping. Physical trapping is thought to last less than a century in most cases
(Juanes et al. 2006).
Structural trapping is often the first kind of trapping that occurs during geological
sequestration, and a comparable process has safely held oil and gas in place for millennia.
Anticlines coated in cap rocks (an ultra-low-permeability layer), stratigraphic traps
with/without sealed faults, and stratigraphic traps with/without sealed faults are all used to
store CO2 as a mobile phase or supercritical fluid. It is critical to maximize this storage
mechanism in order to guarantee that CO2 injected underground stays underground for the
long run. Viscous forces dominate the movement of CO2 during the injection procedure in
the intended formation. CO2 is then stored as a function of depth in either the supercritical
or gas phase at the corresponding pressure and temperature. Once injection is ceased,
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supercritical CO2 tends to travel upward through porous and permeable rock due to the
buoyancy effect caused by its density differential from other reservoir fluids and laterally
along preferred paths until it reaches a cap rock, fault, or other sealed discontinuity (Han
2008). This will inhibit additional CO2 movement, as seen in Fig. 8.

Figure 8. Trapped CO2 injection as a result of the formation structure.

In exhausted oil and gas fields, abandoned wells capped with solid cement plugs may also
block CO2 migration. Leakage beneath the casing or via the aforementioned plugs is a
concern linked with such entrapment. As a result, several investigations on CO 2 leakage
via geological features and existing wells have been done (Ambrose et al. 2017; Eke et al.
2011; Lewicki et al. 2007; Scherer et al. 2015; Shipton et al. 2004, 2006; Temitope and
Gupta 2019; Zakrisson et al. 2008).
Residual trapping is described as follows. Reservoir fluids are displaced when supercritical
CO2 percolates via storage formations. CO2 moves in two directions: upward owing to
density differentials and laterally due to viscous forces. The remaining spaces are filled
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with reservoir fluid. However, as seen in Figure 9, some CO2 is retained as
disconnected/residual droplets in the pore spaces.
As proposed by Saadatpoor et al., surface tension between CO 2 and brine serves to prevent
CO2 transport, resulting in a greater capillary entry pressure than the normal rock pressure
(2010). CO2 gets trapped in the pores at this moment due to residual gas saturation. It is
most often encountered in rocks with microcapillary heterogeneities. Recent research
indicate that capillary trapping is a more efficient short-term CO2 trapping process than
other short-term CO2 trapping methods (Burnside and Naylor 2014; Lamy et al. 2010). Its
effectiveness is owing to the presence of stronger capillary forces than buoyant forces,
which results in CO2 appearing as pore-scale bubbles rather than being trapped by a slightly
weakened cap rock. Additionally, it has the benefit of eliminating the possibility of
catastrophic failure associated with structural traps on a short time scale (Jalil et al. 2012).

Figure 9. Residual trapping of injected CO2
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3.3.2 Geochemical trapping
CO2 dissolves in various fluids, either in the supercritical or gaseous phase. Solubility
trapping occurs as a consequence of CO2 dissolution in the brine, resulting in a densely
saturated brine with CO2. At this moment, it ceases to be a distinct phase, hence removing
any buoyancy impact. CO2-saturated brine gradually becomes denser than the surrounding
reservoir fluids and sinks to the formation's bottom, resulting in more secure CO 2 trapping
(Figure 10).

Figure 10. Illustration of solubility trapping by convective mixing, one of the methods by which
CO2 is dissolved into aquifers.

CO2 solubility in water results in the creation of weak carbonic acid, which eventually
decomposes into H+ and HCO-3 ions (Eq. 1). Additionally, as emphasized in Eqs. 1–4, it
may react with other cations in the formation brines to generate insoluble species that
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precipitate as solid minerals which are stable over long time periods (mineral trapping).
CO2 solubility reduces with increasing temperature and salinity in formation water.
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3.4 Site Selection
The objective of site selection is to conduct further evaluations of selected areas and to
create a short list of Potential Sites appropriate for Site Characterization. Site Selection
evaluates the features of the Selected Areas by using and validating the current data and
analysis from site screening and supplementing them with extra, proprietary, or other
purchased data. This stage, comparable to the second project phase of an oil exploration
program, referred to as a "Lead," involves the review of five technical and nontechnical
components: subsurface geologic data, regulatory requirements, model data, site data, and
social data. As with site screening, a multidisciplinary team should identify the studies to
be undertaken for each of the components prior to commencing the analyses of the Selected
Areas. At a minimum, the analyses should contain the aspects mentioned in Figure 11 and
take into account the scope, assessment criteria, resources, and timeframe. Table 1
summarizes the guidelines for these analyses and the particular data needs, which are
explained in further detail in the following sub-sections.
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Table 1. Guidelines for site selection (Albany, O et. All 2017)

Confining
Zone

Subsurface Data Analysis

SUBSURFACE GEOLOGICAL DATA

Storage
Reservoir

Determine the locations of storage reservoirs and injection zones in Selected
Areas. Utilize all available well and outcrop data to create stratigraphic and
structural framework diagrams illustrating appropriate storage reservoirs and
injection zones of interest.
Conduct a confined zone analysis in Selected Areas. Create stratigraphic and
structural framework diagrams that depict the extent, thickness, lithology,
porosity, permeability, capillary pressure, and structural complexity of
appropriate confinement zones based on current data.

Trapping

Defining the geomechanical properties of selected injection and confining
zones as a baseline.

Mechanism

Utilize available well, outcrop, and seismic data to evaluate trapping
mechanisms in Selected Areas.

Potential

Establish injection and confining zone hydrogeological features to ensure the
injection of CO2 is contained reliably.

Injectivity

Conduct an initial assessment of the injectivity of potential injection zones in
Selected Areas utilizing available production history data, hydrologic test data,
and core plug assessments.
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Regulatory Issue Analysis

REGULATORY REQUIREMENTS

Well
Classification

Examine federal and state regulations governing injection wells, Consider the
permitting, building, operation, maintenance, and closure needs.

Corrective
Action

Review criteria for remedial action on existing wells in Selected Areas, with
emphasis on those in the Area of Responsibility of any proposed injection.

Injection
Pressure

Examine regulatory criteria for demonstrating the existence and sufficiency
of prospective injection zones based on available structural and stratigraphic
data.

Containment
Mechanisms

Liability

Examine regulatory requirements pertaining to showing the long-term
integrity of containment methods; identify possible containment hazards and
mitigating measures.
Examine provisions addressing financial assurance and liability issues
associated with CO2 injection and storage in Selected Areas.

Model Development

MODEL DATA

Include regulations from the state and federal governments in the project's
plan and budget
Modeling
Parameters

Determine the sorts of models and parameterizations required to define the
storage reservoir, confining zone, and fluid characteristics in Selected Areas

Data
Requirements
and Cost

Assess data needs for optimizing modeling findings; undertake a cost-benefit
analysis to determine the worth of getting more data.

Boundary
Conditions/
Uncertainty
Existing
Seismic Data

Site Suitability Analysis

SITE DATA

Infrastructure

Area of
review
Requirements

Surface
Access
Pore Space
Ownership

Identify and describe modeling uncertainty; choose boundary conditions that
reduce modeling uncertainty.
Integrate current seismic data into the creation of static and dynamic models
for Selected Areas, if accessible.
Assess the infrastructure requirements for Selected Areas, which may include
injection and monitoring wells, compression equipment, transportation pipes,
and monitoring equipment.
Calculate Area of review and consider possible concerns of surface and pore
space ownership. The model output should highlight the influence of
pressure and plume migration on Area of review.
Evaluate possible concerns with surface access in Selected Areas. Include a
strategy for resolving any possible access or environmental challenges.
Conduct an analysis of the regulations governing pore space ownership in
Selected Areas, including mineral rights and unitization requirements.
Determine who owns pore space that may be affected by plume migration
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Preliminary
Social
Characterization

SOCIAL DATA
Complete Site
Selection

Gather and
Assess Social
Data

Potential Sites

Conduct a more in-depth analysis of social data pertaining to populations
located inside Selected Areas. Assess perceived risks and advantages.
Conduct stakeholder interviews.

Plan for the Characterization of the Site and the Development of the Site.
Conduct an economic feasibility study for each location.
Determine and prioritize Potential Sites for Site Characterization.

Figure 9. Site Selection Process Flowchart (Albany, O et. All 2017).
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CHAPTER 4: GEOLOGY OF EGBEMA FIELD
4.1 Geological Setting
The region under research, shown in Figure 12, is situated in the eastern Niger Delta's
coastal swamp depobelt. Niger's delta is situated in a triple rift junction in the Gulf of
Guinea, which is related with a southern Atlantic opening that occurred between the Late
Jurassic and Cretaceous periods. It is located between latitudes 4o and 6o N and longitudes
4o30' and 8o00' E and is one of the world's most prolific Tertiary deltas in terms of
petroleum output.

Figure 10. The Niger Delta Region's map, displaying geological basins and tectonics (Corredor
et al., 2005).

Calcareous and Cenozoic Foraminifera has thoroughly detailed the Niger Delta geology.
The Niger Delta subsoil is classified into three lithostratigraphic units: the upper Benin
(sandy) Formation, the middle Agbada layer which contains alternating layers of shale and
sandstone formation, and a lower formation known as shaly Akata. These three layers span
across the whole delta state and vary in ages from the older Tertiary to the Recent. In the
Port Harcourt region, a distinct component of the Benin Formation, the Afam clay member,
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is known. It is thought to represent an old valley fill developed in Miocene sediments. As
turbidities and channel fills on the continental slopes, the Paleocene to Recent Akata
Formation is mostly composed of marine shales with sand and silty layers. The source rock
is thought to be up to 7,000 feet thick. The Agbada Formation, dating from the Eocene to
the Recent, sits above it. Shore face and channel sands make up the bulk of the lithofacies,
with some shales and sands in the upper part and sands and shales in the bottom portion.
In the Agbada Creation, gravity-induced movement has resulted in the formation of various
structures. These traps are more common than stratigraphic ones. These traps include clayfilled channels, structures with many growth faults, structures with antithetic faults, and
collapsed crest structures. An interbedded shale rock in the Agbada Formation features
three types of seals: fault-related clay stains, sealing units against which reservoir sand is
juxtaposed, and vertical seals (Doust and Omatsola, 1990). Rollover anticlines, which
occur in front of growth faults, are the primary focus of oil exploration. It is the Agbada
Formation that serves as the principal source of oil that is produced by gas expansion. An
average porosity of 40% and a permeability of 2 darcies may be found in these reservoirs.
Reservoir thickness ranges from less than 15 meters to more than 45 meters, however it
has been shown that reservoirs may be up to 100 meters thick (Edwards and Santogrossi
1990).
The Niger Delta's sediments date from the Paleocene/Eocene to the Recent. It is composed
of a regressive clastic wedge with a maximum thickness of about 12 kilometers, with its
subaerial part encompassing over 75,000 km2 and reaching more than 300 kilometers from
apex to mouth (Doust and Omatsola, 1990). The Niger Delta clastic wedge was formed
when the failing arm of the triple junction system (aulacogen) originated during the late
34

Jurassic break-up of the South American and African plates (Burke et al., 1971; Whiteman,
1982). Murat (1972) observed that the Cenozoic Niger Delta is defined by a series of older,
stable megatectonic features that define its region of influence (Fig. 13). The basin's
northwestern margin is defined by the Benin flank, a subsurface prolongation of the West
African shield that ends in a SW-NE trending flexure or fault zone. The Calabar flank
defines the eastern expansion margin, while the Senonian Anambra Basin defines the
northern part.
4.2 Physiography
The dry land sector of the Niger Delta is located in southern Nigeria's interior lowlands,
between 30 and 300 meters above sea level. The Niger River valley cuts the region in half
lengthwise, dividing it into eastern and western parts with distinct geographical features.
The western section is characterized by the Ishan-Asaba Plateau, a southwest-sloping plain
between 150 and 300 meters above sea level (Udo, 1970, p. 38).
4.3 Stratigraphic evolution
The Niger Delta's stratigraphy has been described as a tripartite lithostratigraphic
succession

(Short

and

Stauble,

1967; Avbovbo,

1978).

The

three

principal

lithostratigraphic units described in the subsurface of the Niger Delta are the Akata,
Agbada, and Benin Formations, which decrease in age basinward, reflecting the general
regression of depositional conditions inside the Niger Delta clastic wedge (Fig. 14). The
Akata Formation, a pro-delta marine shale, is the deepest lithostratigraphic unit. Thick
sequences of enormous pro-delta, hemipelagic, and pelagic shales deposited in marine
conditions comprise the formation's foundation. This is mostly made up of undercompacted coastal clays with unusually high-pressure sandstone lenses at the
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top (Avbovbo, 1978). The accompanying sandstone strata are lowstand turbidite fans
deposited in holo-marine (delta front to deeper marine) settings from the Paleocene to the
Holocene, according to the researchers (Amodu, A et al. 2022).

Figure 11. The Niger Delta Sedimentary Basin's early development (after Murat, 1972).
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Figure 12. The Niger Delta's regional stratigraphy.

In the transition zone, the formation grades steeply into the Agbada Formation, containing
numerous plant fossils and micas (Doust and Omatsola, 1989). The Agbada Formation,
which is overlain by paralic deposits, is on top of the pro-delta marine shale. In the higher
section, it is largely shoreface and channel sands with some shale, while in the bottom part,
it is an equal mix of sands and shales (Reijers et al., 1996). The imbricated superposition
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of many offlap cycles creates this paralic interval (Weber, 1986). Because of the alternation
of fine- and coarse-grained clastics that offer many reservoir-seal couplets, these paralic
clastics are known to be the most productive formation. The strata are usually thought to
have originated in fluvial-deltaic settings and vary in age from the Eocene to the Recent
(Short and Stauble, 1967). The Agbada Formation is overlain by the Benin Formation,
which is a varied thickness of continental sandstone. From the Benin-Onitsha region in the
north to beyond the current shoreline, the formation is made up of the upper half of the
Niger Delta clastic wedge (Short and Stauble, 1967). The Benin Formation spans the
Oligocene through the Recent epochs.
Hydrocarbon production in the Niger Delta is often linked with Agbada Formation sands
and is confined inside rollover anticlines or structural highs surrounded by structures
produced along growth faults. Stratigraphic traps associated to channel fill, regional sand
pinch-out, and truncation occur in addition to growth fault traps (Orife and Avbovbo, 1982;
Reijers et al., 1996). Crestal faults and flank faults are simple structural hydrocarbon traps,
but collapsing crests and k-block structures are more sophisticated (Fig. 15).
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Fig 15. Oilfield structures in the Niger Delta are shown in sections (Doust and Omatsola, 1990).
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CHAPTER 5: METHODOLOGY AND RESULTS
5.1 Modeling Approach
In this section, I describe my step-by-step approach for static and dynamic reservoir
modeling of the Egbema reservoir. I highlighted some challenges encountered during the
comparison of simulation results with observed data gathered from field and some possible
explanation were discussed. By incorporating field data, I also explain how to enhance the
basic static model and minimize model-parameter uncertainty. Beginning with the
construction of the static model, gridding schemes, fluid characterization, simplifying
assumptions, and finally assigning higher or lower weights to different observation data so
that static models can be calibrated, the modeling approach presented here is unique to this
field and study alone and bears an inherent element of uncertainty in its methodologies.
Other research has used this kind of uncertainty analysis to evaluate the influence of
modeler decisions on final model outputs.
The storage of CO2 was assessed in two sandstone reservoirs, one upper depleted and the
other lower depleted. Overall, the lower-depleted reservoir, at roughly 7,000 feet true
vertical depth subsea (TVDSS), is regarded to be the most viable s for long-term CO 2
storage, both in terms of capacity and integrity (Fang, Z et. Al 2012). The reservoir is
enclosed inside an anticlinal structure that runs northwest-southeast and is bounded on the
northeast and southwest sides by a high-angle fault. The intended sandstone reservoir is
135 feet thick on average, with approximately 700 feet of mainly shale overburden. This
reservoir has exceptional characteristics, with a mean porosity of 0.23, a permeability range
of 1000-100 md, and an initial pressure of 3700psi/ft (25,800kPa). Production of oil started
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in the late 1990s, and the reservoir pressure is now around 45 psi, with about 98.6 percent
of the oil reserves extracted.
The data used in this research was provided by Total Energies Nigeria through the
Department of Petroleum Resources (DPR). Wireline logs, biostratigraphic and 3D seismic
data, unclear core pictures, and check shot data are among the data sets. The field and well
log data are codenamed EGBW-001, EGBW-002, EGBW-003, and EGBW-004. The set
of log data available for this investigation is shown in Table 2. Petrel exploration and
production tools, Eclipse as well as Visage software, were used to analyze the data sets on
a conventional workstation.
Table 2. Well logs screening for the field.
Log Data

EGBW-001

EGBW-002

EGBW-003

EGBW-004

Gamma Ray

✓

✓

✓

✓

Resistivity

✓

✓

✓

✓

Deviation

✓

×

×

✓

Checkshot

✓

✓

✓

×

Sonic

✓

✓

✓

×

The static regional models for the chosen upper reservoir serve as the foundation for the
development of comprehensive dynamic models incorporating numerical simulations of
the CO2 injection process into prospective storage locations. Figure 16 depicts a static
model of a reservoir sandstone series. A local numerical model was chosen inside the
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created model for which a number of simulations of CO 2 storage processes were
performed.

Figure 16. 3D model of the reservoir with wells placement.

The original model (Figure 16) with an area of 221.9 km2 and a grid resolution of 200 x
200 m was separated from a model with an area of 7.875 km 2 and a grid resolution of 75 x
75 m.
The simulation model's effective porosity ranges from 2.5 to 28% which is shown in Fig.
17 with an average value of 13.44%. In the local model, however, permeability varies from
6.97 mD to 1000 mD, with an average of 57.30 mD as shown in Fig. 18.
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Figure 17. 3D model of the reservoir with porosity distribution.

Figure 18. 3D model of the reservoir with permeability distribution.

During the simulation, four existing oil production wells (currently plugged), EGBW-001,
EGBW-002, EGBW-003, and EGBW-004, and one new CO 2 injection well C5 were
considered in the generated model, with the injection quantity varying based on the CO 2
injection option chosen. The behavior of the rock mass following hydraulic fracturing was
also taken into account in order to improve the CO2 injection procedure. Eclipse300TM, a
Schlumberger compositional simulator, was used to simulate CO 2 storage in depleted Oil
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reservoirs. All simulation models were conducted using the GASWAT (i.e., simulating gas
phase/aqueous phase) option in the completely implicit formulation.
This approach has been utilized in the past to improve oil and natural gas recovery during
CO2 storage. An anticline reservoir geometric structure consisting of five fluvial sand and
shale strata was generated using a 3D Cartesian grid. Each layer is 3 m thick and has a
certain amount of heterogeneity, which aids in understanding the influence of
heterogeneity on CO2 multiphase flow behavior. The formation's depth was chosen at 840
m to guarantee that supercritical CO2 could be detected. The average porosity and
permeability of the model are 0.3 and 1000 mD, respectively. The X–Y plane includes
17325 grid cells in each direction with each grid block.
The volumetric gas scenario was created using a closed outer boundary condition. In the
first two strata, a total of five production wells, EGBW-001–EGBW-005, were evaluated,
located roughly 1 kilometer from the injection well, C5. As depicted in Fig. 16, this
injection well was drilled through the lower structural grid at a depth of 2386 m (7828 ft).
To model a dry gas reservoir, the starting reservoir pressure and temperature gradient were
adjusted to 3000 psi and 120 °C/km, respectively, for the depletion scenario. Table 3 shows
the four components that were thought to be part of the dry gas. 2600 psia and 4500 psia
were considered to represent the capillary entrance and fracture pressures of the seal,
respectively. The storage formation was expected to have a salinity of 20000 ppm. The
PVTi module of Eclipse was used to create properties of gas, water, and carbon dioxide
(such as critical pressure, critical temperature, acentric factors, and Lohrenz Bray Clark
viscosity coefficients). The Peng-Robinson equation of state (EOS) was used to calculate
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PVT characteristics. To estimate the solubility of CO2, N2, and H2S in water, Soreide and
Whitson adapted this equation (Søreide, I et. All 1992). The original Peng Robinson
(Schlumberger 2014), dealt with the solubility of other gases such as methane and ethane.
In terms of vapor molar functions and diffusion functions for gas and water components,
the EOS was utilized to determine the diffusive flow.
Table 3. Compositions of components and physical property parameters of five fluvial sand and shale
layers.
Component

Composition

Carbon dioxide (CO2)

0.002

Methane (C1)

0.90

Ethane (C2)

0.08

Water (H2O)

0.018

Physical property of five fluvial sand and shale layers
Layers

1, 3, 5

4

5

0.01 – 0.30

0.01 – 0.30

Horizontal permeability

700

700

700

MD

Vertical permeability

500

500

500

MD

Porosity

0.01 – 0.30

Unit

5.2 Numerical Model
Egbema reservoir is the most promising for potential CO 2 storage of the three reservoirs
studied, with the highest favorable values for geological and hydrogeological
characteristics. Olistostromes, boulders, conglomerates, and sandstones make up the
formation, which is a Miocene macroclastic molasse (Jachowicz, S et al. 1987).
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A small numerical model with an area of 32.18 km 2 was built inside the rock complex of
the formation with a regional size of 555.75 km 2, in which a series of numerical simulations
of the CO2 storage process were carried out.
In the simulation model that was built, the effective porosity varied from 2.5 percent to 28
percent. In the local model, the highest permeability value was 1000 mD (Figure 18).
Two-vertical wells (C5 and C6) with section lengths of about 900 m were developed to
model the process of CO 2 injection into the rock mass.
5.2.1 Models of reservoir fluids
Reservoir parameters were investigated in static models of the chosen areas later in the
project, and reservoir fluid parameters were included to mimic CO 2 storage in the
researched geological formations and structures. Taking into consideration the phenomena
of CO2 solubility in water, a suitable simulator module was chosen. A compositional
version of the ECLIPSE simulator (E300) with the CO2SOL (Eclipse User Manual 2011)
option was employed for this purpose. The sm3 unit is defined by the Eclipse reservoir
simulator as a cubic meter of gas at a pressure of 1 atm = 1013.25 hPa and a temperature
of 15.56 °C. The rm3 unit is used to express the volume of gas under reservoir conditions.
The Peng-Robinson state equation was utilized to identify the right state equation and
compute the thermodynamic parameters of the process, taking into consideration the molar
volume modification. This equation enabled the thermodynamic parameters to be
determined in a more realistic way (Eclipse User Manual 2011). The Lorentz-Bray-Clark
correlation (Lorentz, J. et al. 1964) was used to calculate CO2 viscosity. The Chang-Coats-
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Nolen correlation (Chang, Y.B. et al. 1996) was used to estimate parameters related to CO 2
solubility in saltwater.
The relative permeability curves regulate CO2 flow in strata saturated with water (brine).
Based on Corey's correlation (Brooks, R.H et al. 1964), relative permeability curves were
developed in this investigation. Brooks and Corey relations are essentially an extension of
equations for normalized drainage effective permeability published by Burdine et al.
(Burdine, N.T et al. 1953). The following equations are modified Burdine equations for
relative permeability calculations:
krw = (𝑆 ∗ ) (

)/ ,

krn = 𝐾 . (( 𝑆
𝑆∗ = ( 𝑆

……………………..………………………………………… (1)

− 𝑆 )/. ( 𝑆

− 𝑆 ) . (1 − (𝑆 ∗ )(

)/

) …………………….(2)

− 𝑆 )/ (1 − 𝑆 )………………………..………………………….… (3)

𝐾 = 1.31 – 2.62𝑆

– 1.1 (𝑆 )2 …………….…………….……………..…………. (4)

where:
krw = wetting phase relative permeability;
krn = non-wetting phase relative permeability;
𝐾 = non-wetting phase relative permeability at irreducible wetting phase
saturation;
𝑆 ∗ = normalized wetting phase saturation;
λ = pore size distribution index;
Sm = 1 − Sor(1 − residual non-wetting phase saturation);
Sw = water saturation;
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Siw = initial water saturation.
The fundamental equation for capillary pressure Pc as a function of liquid saturation is
provided by the following equation, which is taken from the van Genuchten formulation
(Van Genuchten et al. 1980):
Pc = −Po (𝑆 ∗ −1/λ − 1)1−λ ………………………………………………………(5)
Tables 4 and 5 summarize the values of parameters utilized in simulation model estimates
of relative permeability and capillary pressure.
The main factors in conventional formulations of multiphase flow in porous media are
relative permeability relationships as a function of fluid saturation. Relative permeabilities
are not simple functions of fluid saturations, as shown by experimental laboratory
experiments and a pore-scale physics study. Relative permeability exhibit hysteresis
effects. The relative permeability and capillary pressure curves utilized in the simulation
models are shown in Figure 20.
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Table 4 Relative Permeability of liquid

Table 3 Relative Permeability of gas.

Sw

Kro

Krw

Pcow

Sg

Krg

Krog

Pcgo

0.2
0.21
0.27
0.2963
0.34
0.375
0.41
0.445
0.48
0.515
0.55
0.585
0.62
0.6413
0.69
0.725
0.7275
0.76
0.8138
0.865
0.9
1

0.9
0.8745
0.73197
0.6695
0.57946
0.50735
0.44401
0.38305
0.32562
0.27568
0.22573
0.18537
0.1466
0.123
0.084413
0.056681
0.0547
0.03926
0.0137
0.005563
0
0

0
0
0.005423
0.0078
0.019714
0.029255
0.043728
0.059544
0.077407
0.099617
0.12183
0.14944
0.17795
0.1953
0.24389
0.27881
0.2813
0.31952
0.3828
0.45241
0.5
1

6
5.1865
2.4276
2.1214
1.7378
1.5203
1.341
1.186
1.0469
0.91796
0.79508
0.67471
0.55351
0.47705
0.29329
0.14339
0.13085
-0.03213
-0.41796
-1.0947
-3.1433
-3.1433

0
0.05
0.1312
0.2125
0.2937
0.375
0.4
0.4562
0.5375
0.6187
0.7
0.8

0
0
0.0078
0.0312
0.0703
0.125
0.14664
0.1953
0.2812
0.3828
0.5
0.9

0.9
0.7206
0.4827
0.304
0.1759
0.0901
0.074059
0.038
0.0113
0.0014
0
0

0
0
0
0
0
0
0
0
0
0
0
0

Pore size
distribution index, λ
The Dębowiec
formation-minimum
threshold pressure Po, Pa

The cap rock-minimum
threshold pressure Po, Pa

2

3580
6200

Figure 20. Relative permeability curve

During the process of initialization, the position of the gas-oil and oil-water contact depth
was adjusted to 7000ft and 6500ft respectively to meet the given reservoir data. On the
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basis of archival drill data, baseline reservoir pressures of 10 to 11 MPa (depending on the
kind of modeled geological formation at depths of 7000 to 7150 m) and temperature were
also used. At the aforementioned pressure and deposit temperature, reservoir fluids were
in hydrostatic equilibrium. The maximum bottom-hole pressures are set at about 90% of
the fracture gradient or the leak-off pressure, which reflects the pressure that should not be
surpassed during CO2 injection to prevent fracking-induced cover rock collapse.
The leak-off pressure in this investigation is around 50–60% higher than the typical
hydrostatic gradient. In order to maintain the storage pore pressure below the leak-off or
fracture gradient, it was assumed in the models that the storage pressure should not exceed
20% of the normal hydrostatic gradient.
5.3 Simulation Results
Simulations of CO2 injection into depleted reservoir in the model, which included
individual sandstone series, were carried out for several technical variations (Table 5) that
differed in terms of the injection mechanism used. The success of the sequestration process
was evaluated based on the volume of injected CO2 and injection pressure, as well as the
procedure assisted by hydraulic fracturing of the rock mass. Carbon dioxide was introduced
into the reservoir's footwall strata in the simulation variations. I looked at injection wells
with partly perforated casing completions. The goal of the perforation was to maximize the
opening's production while keeping costs low, as well as to provide a solid link between
the well and the deposit formation.
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Table 5. Simulation variants

Base Case

Scenario 1

Scenario 3

Scenario 4

45,000

Scenario
2
45,000

Injection
pressure
(Kpa)

51,000

45,000

60,000

Injection rate
(m3/day)
Injection period
(years)
Observation

150,000

100,000

150,000

200,000

150,000

5

5

5

5

5

No leak

No leak

No leak

Leaks
through first
layer of rock

No leak

The CO2 migration process in the investigated structures was simulated over a time span
of 100 years after the injection ended (relaxation phase). The length of the CO 2 injection
phase was 5 years due to a limitation in computing power available for this study. Actual
commercial projects would typically require a 20+ year injection timeframe to achieve
commercial investment payback. The impact of the structure's degree of hydrodynamic
openness on the sequestration process was investigated. The impact of well hydraulic
fracturing on injection efficiency was also looked at.
Different process simulation variations were used, with injection efficiency varying.
Depending on the modeling scenario used, the injection volume for the well was initially
simulated for 150,000m3/ day with injection pressure of 51,000kPa which is the initial
bottom hole pressure (BHP). The simulation scenario was varied with volume and pressure.
The geological CO2 storage potential in the formation was analyzed using four chosen
simulation variations and a base case that demonstrates the highest volume of CO 2 storage
efficiency in the rock mass while keeping injection conditions that guarantee safe storage.
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Four versions of the CO2 injection procedure into depleted reservoir in the model were
simulated, including altering the injection of CO2 with volume and pressure. Table 5
summarizes the modeling variation for the total quantity of CO 2 injected per day and
injection pressure in each simulation version.
Base Case Scenario: For base case scenario, the maximum bottom pressure in the injection
wells was set to PBHP = 26,800kPa. Simulations of CO2 injection in this scenario were
conducted by injection of 150,000m3 of CO2 into the reservoir at an injection pressure of
51,000 kPa over the period of 5 years. Figure 21 shows the pressure distribution of
saturated CO2 across the reservoir. Carbon dioxide in the residual state is described as freephase CO2 that remains in the non-wetting phase after injection into the rock mass and is
confined in the pore spaces of the rocks by capillary forces. It can be noticed that the
pressure was curtailed in the first layer of rock and does not leak to the second layer.
Figure 22 shows the pressure build up during injection which lasted for a period of 5 years.
The simulation was run for a period of 100 years after shutting the well at the end of
injection period. A constant pressure is maintained for the rest of the simulation period,
which indicates no leak either through the cap rock or through the fault.

Figure 21. Base case scenario with 150000m3 injected with at 51,000kPa.
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Figure 22. Base case scenario with 150000m3 injected with at 51000kPa.

First Scenario: During CO2 injection simulations in the model for the first scenario, a
consistent daily injection rate of 100,000 m3/d was maintained at an injection pressure of
45,000kPa. After 5 years of injection, the pressure rise in the sealing roof layers (due to the
characteristics and partial penetration of CO 2) was around 31,000kPa. Long-term
simulation conducted for a further 100 years after the injection concluded revealed that
there was no leakage out of the reservoir. The reservoir pressure at the top of the structure
remain constant thought the simulation period (Figure 23).

Figure 23. First scenario with 100,000m3 injected at 45000kPa.

The establishment and progressive growth of free CO 2 zones occurs around the injection
well. Due to the prevailing buoyancy forces, CO2 travels towards the collector roof layers
and farther towards the local top of the cap rock (Figure 24). Carbon dioxide in the residual
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state is described as free-phase CO2 that remains in the nonwetting phase after injection
into the rock mass and is confined in the pore spaces of the rocks by capillary forces. It can
be noticed that the pressure was curtailed in the first layer of rock and does not leak to the
second layer.

Figure 24. First scenario with 100,000m3 injected at 45000kPa.

Second Scenario: In the case of CO2 injection for second scenario, a steady daily injection
rate of 150,000m3/d of CO2 was maintained at an injection pressure of 45,000kPa (Figure
25). Similar behavior of the injected CO2 was found in this scenario of simulation into the
reservoir, namely gravitational migration of CO2 towards the local top of the structure and
concomitant dissolving of CO2 into the reservoir fluids (Figure 29). By raising the injection
rate from 100,000m3/day to 150,000m3/day, the effect of gas injection rate was explored.
Raising the gas flow has the same impact as increasing the relative permeability of the gas.
However, there is one significant difference between these two scenarios; any change in
the relative permeability curves directly affects the characteristic fractional flow curve,
which in turn affects the phase saturation distributions. Increasing the injection rate, on the
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other hand, has no influence on the fractional flow curve. In contrast to the first scenario,
increasing the injection rate allows the plume to spread quicker and contact a bigger region
at a given period. Figure 25 shows linear rise of reservoir pressure to 33,300kPa after
injection period. Like first case scenario, the result was simulated for a period of 100 years.
The result reveals the capacity of the reservoir to store this volume without being leak to
the surface or to the surrounding reservoir.

Figure 25. Second scenario with 150000m3 injected at 45000kPa.

Third Scenario: During simulations of CO2 injection for third Scenario, a constant daily
injection rate of 200,000m3/d was maintained in the model. The reservoir pressure
increased linearly during injection period to 35,600kPa (Figure 26). In this case, the
pressure increased in the sealing roof layers due to excess CO2. Following the simulation,
it was discovered that CO2 penetration occurred into the cells of the sealing layers coupled
to the rooftop collection layers. The distribution of CO 2 free saturation in the structure after
5 years of injection is shown in Figure 27.
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Figure 26. Third scenario with 200,000m3 injected at 45,000kPa.

Figure 27. Third scenario with 200000m3 injected at 45000kPa.

Fourth Scenario: The results of CO2 injection simulations in the model for fourth Scenario
reveals a consistent daily injection rate of 150,000m 3/d at an injection pressure of
60,000kPa corresponding to a total quantity of injected CO 2 of 5 Mt after a period of 5
years (Figure 28). Similar to the previous scenarios, the pressure rise in the sealing roof
layers as a result of characteristics and partial penetration of CO 2
The rate of CO2 dissolution is relatively greater in the simulation of the CO 2 injection
process with a daily injection volume of 150,000m3 at a constant pressure of 60,000kPa
when compared to the results of the simulations of the other scenarios. By increasing
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injection pressure, the leak-off pressure is examined. In order to keep the storage pore
pressure below the leak-off or fracture gradient, the models investigates (Fang Z. et al.)
assumption that the storage pressure should not exceed 20% of the typical hydrostatic
gradient.

Figure 28. Fourth scenario with 150000m3 injected at 60000kPa.

Dissolution of CO2- into Formation Fluids: The dissolution of CO2 in brine occurs during
the process of gravitational migration of CO2 towards the local top of the structure. The
longer the gas migration period, the more likely it is that CO 2 will dissolve and stay in the
rock pore spaces (Tomasz U. et. Al 2022). Molar fractions for distinct simulation time
intervals are used to represent the distribution of dissolved CO 2 in the investigated structure
(Figure 29).

Figure 29. CO2 dissolution rate.
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CHAPTER 6: CONCLUSIONS AND RECCOMENDATIONS
Multiple models of geological storage of CO 2 in depleted oil reservoir were carried out in
this work, with injection scenarios varying in terms of efficiency. Based on the numerical
calculation results, the pressure variations characteristic of the sequestration process was
examined, and the geographical distribution of free CO2 saturation in the structure as well
as carbon dioxide dissolution graphically shown. Below are the initial hypotheses for this
research and how they were addressed:


Without proper site characterization, the safety of the storage reservoir is
compromised – This hypothesis was confirmed in the simulation of third scenario.
With injection volume of 200,000m3/d at an injection pressure of 45.000kPa, the
simulations and analysis of the data allow us to infer that the CO 2 storage capacity
of the investigated structures far surpasses the amounts of reservoir capacity,
therefore over pressured the roof structure which lead to cap rock failure and
ultimate leak-off. As a result, prior to carbon dioxide sequestration, a proper site
characterization is essential in protecting the safety of the storage site.



With proper characterization, modeling can be used to accurately predict the
behavior of CO2 injected into the reservoir – This was established during modeling
and after running simulations in the model, the movement of the injected CO2 from
the collector layers to the reservoir seal layers was observed. This phenomenon
occurs in the top sections of the structure; the locally existing inferior parameters
of seal layers in this region are the primary cause of the phenomena's existence.
This model was history matched and calibrated for further prediction of CO 2
behavior in the reservoir during and after injection.
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Injection pressure in the excess of 20% of BHP could fracture the reservoir rock
causing leakage – This phenomenon could not be established in this research, as
base case, scenario one and scenario four exceed 20% of BHP (25,800kPa), without
failure of cap rock.



Reservoir pressure increase linearly during injection – While this was confirmed,
the assumed CO2 injection capabilities were attained for chosen injection scenarios
during the modeling of the CO2 sequestration process. The pressure rises linearly
in the reservoir as a result of the continues injection, depending on the injection
situation. The measured pressure rise does not appear to jeopardize the reservoir
tightness. There were no variations in pressure in the reservoir sealing layers' roof
in this scenario.



CO2 could be store underground for a long period of time – This hypothesis was
confirmed. In first, second, third and base case scenario, simulation was carried out
for a period of 100 years to test the integrity of the reservoir. A stable pressure
during this period suggests that a long time CO 2 storage in geological strata is
achievable.

Because of the multiple physical and chemical mechanisms influencing CO 2 flow and
confinement under field circumstances, the report can be concluded by answering the
research question that a careful site characterization is critical for effective geologic storage
of carbon dioxide (CO2).
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6.1 Future recommendation
This study makes the following recommendations on the future perspective for developing
comprehensive scenarios for CO2 storage site selection.


This research has been conducted on various CO 2 injection scenarios. However,
core analysis to investigate CO2-rock interaction during injection phase to establish
the potential of the CO2-rock interaction to enhance leakage pathway through
dissolution and shrinkage of clay and minerals



Mineral trapping is another process that occurs on a much larger scale and was not
carried out in this research.



For future work, there is need to couple thermal-hydrological-mechanical-chemical
interaction to better understand the fluid flow and reactive solute transport that
affect mineral dissolution and precipitation.
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